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Formation damage caused by well drilling, completion, oil testing, oil recovery, and stimu-
lation seriously affects oil and gas production, the evaluation of which plays an important
role in the process of oilfield development. Thus, it is necessary to study formation damage
mechanism from micro scale. In this study, two sets of displacement experiments were
conducted using two sandstone samples and two chemical reagents. Each set was divided
into three processes: first formation water injection, reverse chemical reagents injection and
second formation water injection. According to the results of displacement experiments, the
permeability changes of two sandstone samples were analyzed and the formation damage rates
of different experimental processes were calculated respectively. In addition, we analyzed the
formation damage of the two samples from the macroscopic aspect according to the changes
of inlet pressure curves. We compared the pore structure changes of sandstone samples at
different experiment processes by computed tomography (CT) images, and found the particle
migration phenomenon. Based on the core sensitive regions observed by CT images, the
pore network models of the sensitive regions were extracted to quantitatively characterize
the change of pore structure parameters (pore radius, throat radius, coordination number
and tortuosity). Finally, we designed a two-dimensional microscopic seepage channel model
according to the real core structure. The flow rule of solid particles in fluid was simulated
by finite element method, and the reason of reservoir clogging was analyzed. Through this
study, we found that the injection of chemical reagents increased the inlet pressure and led
to the decrease of core permeabilities. There was a negative correlation between the export
rate of particle migration and matrix deformation degree.
1. Introduction
The formation damage during the process of oil & gas
production and well operation has the characteristics of long
time, large area and high complexity. In some cases, dif-
ferent damage mechanisms could result in similar damage
characteristics. During oilfield development, the formation
damage leads to a decrease in permeability (Bagci et al., 2000;
Moghadasi et al., 2004) and changes in wettability (Ali et al.,
2019), which affect fluid injection capacity and well recovery.
The essential reason for formation damage is that the injected
workover fluid is incompatible with the reservoir rock and
formation liquid. Particle migration and clay expansion are the
main reasons for blocking the seepage channels (Hussain et al.,
2013; Luquot et al., 2014; Oliveira et al., 2014; Borazjani et
al., 2017). In order to avoid or reduce the formation damage in
field operation, it is of great significance to study the damage
mechanism (Li et al., 2003; Wang et al., 2009; Lemon et al.,
2011).
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Table 1. Basic information of core samples.
Sample Permeability (mD) Porosity (%) Test
1# 18.35 8.45 Formation water and chemical reagent flooding and CT scanning
2# 13.54 8.12 Formation water and chemical reagent flooding and CT scanning
Table 2. Mineral composition of the samples.
Sample Quartz (wt%) Potassium feldspar (wt%) Plagioclase (wt%) Calcite (wt%) Clay mineral (wt%)
1# 63 14 20 1 2
2# 57 16 24 1 2
In oil and gas field development, it is very difficult to
study formation damage in the field, so laboratory study
of formation damage is the best choice (Li et al., 2016;
Ma et al., 2016; Xu et al., 2016; Wang et al., 2020). We
drilled some cores from a reservoir, and then tested them
in the laboratory to obtain the experimental data. Finally, a
comprehensive formation damage evaluation was carried out
for the target reservoir. As an emerging method in the past
decades, digital rock technology breaks some limitations of
conventional experiments and has received more attentions in
the oilfield development (Al-Yaseri et al., 2015; Klise et al.,
2016; Liu et al., 2017; Wang et al., 2019). Through pore
structure characterization and flow simulation, digital rock
technology was used to study the percolation mechanism of
reservoir fluids (Wang et al., 2012). By imaging and analyzing
the dynamic change of pore structure during the displacement
process, the formation damage of a sandstone reservoir was
quantitatively evaluated, and fines migration were visualized
(Yang et al., 2019).
In this study, we conducted two sets of displacement
experiments, each of which was divided into three processes:
first formation water injection, reverse reagent injection and
second formation water injection. We evaluated the damage
from the macroscopic aspect through the change of inlet
pressure of core samples during the flooding experiment.
Through the quantitative analysis of computed tomography
(CT) images, the evidence of particle migration was found.
The sensitive regions of core damage were observed through
the extracted pore network models. Then, critical geometrical
and topological properties of pore space were analyzed statis-
tically. Finally, in order to explain the damage mechanism in
more detail, we performed flow simulation and obtained the
flow rules of particle migration under different pressures and
degrees of matrix deformation.
2. Methodology
2.1 CT scanning principle and equipment
In recent years, due to the nature of non-destructive three-
dimensional imaging, the X-ray CT scanning technique has
been widely used in the field of oil industry, including the
measurement of improved oil recovery in carbonate reservoirs
(Izgec et al., 2008; Luo et al., 2019), the microstructure analy-
Fig. 1. Working principle of CT.
sis of shale rock with nanoscale pores (Guo et al., 2015; Zhang
et al., 2017), and the identification of the occurrence pattern
of gas hydrate deposits (Zhao et al., 2016; Ma et al., 2019).
The working principle of CT is shown in Fig. 1, where the
X-ray resource emits radiation to pass through the rotating
sample. Then, the signal after decaying is received by the
detector and processed finally.
Due to the different absorption degree of X-ray of the ma-
terial elements at different locations, the attenuation coefficient
of the X-ray after penetrating the material is also different. Eq.






where Io is the initial intensity of the X-ray, I is the intensity
of the X-ray after it passes through the object, i is a component
of the material in the path through which the X-ray passes,
ui and xi are the attenuation coefficient of the i component to
X-ray and the length of the component in the current path of
X-ray, respectively.
2.2 Displacement experiment for formation
damage
To study the formation damage caused by chemical
reagents, two groups of experiments were carried out with
two core samples and two types of chemical reagents. Basic
physical parameters and mineral composition of the experi-
mental samples are shown in Tables 1 and 2, respectively. The
fluids used in this experiment are formation water, chemical
reagents from oil field operations. And the fluid composition
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Fig. 2. Displacement experimental device.
Table 3. Ionic composition of fluids.




2+ Mg2+ SO2−4 Na
+
Formation water 324 3125 1061 2 44 303 2840 7742 8.2
Chemical reagent 1 1128 580 145 10 8 235 2815 4895 6.3
Chemical reagent 2 1342 265 115 16 6 285 1835 4853 5.9
is presented in Table 3.
The experimental device demonstrates two processes of
formation water injection and reverse reagent injection, and
the inlet pressure is equal to the differential pressure because
of the zero outlet pressure, as shown in Fig. 2.
The selected sandstone rock samples were imaged before
and after the displacement experiment using the MicroXCT-
400 machine (produced by Zeiss) at a resolution of 24 µm.
Core holder was fixed on the sample stage and a 0.4 × lens
was used. CT images were acquired with an X-ray accelerating
voltage of 110 kV. And exposure time was 2 s, and each scan
took 2 h.
The detailed experimental procedure is as follows:
(1) First formation water injection: The core sample was
placed in a core holder at formation temperature and the
formation water was injected until it was fully saturated.
(2) CT scanning was performed on the core after first forma-
tion water injection, and obtained images were analyzed
and processed.
(3) Reverse reagent injection: The chemical reagent was in-
jected in the reverse direction at formation temperature.
Inlet pressure and outlet velocity of the fluid were recorded
until the inlet pressure was balanced.
(4) CT scanning was performed on the cores after reverse
reagent injection, and obtained images were processed and
analyzed.
(5) Second formation water injection: The formation water
was injected again in the positive direction at forma-
tion temperature. Inlet pressure and outlet velocity were
recorded until the inlet pressure was balanced.
(6) CT scanning was performed on the core after second
formation water injection, and obtained images were ana-
lyzed and processed.
(7) The damage rate was used to evaluate the formation
damage due to chemical reagent injection quantitatively,





where Ka is the core permeability before chemical reagent
injection, Kb is the core permeability after the injection.
2.3 Particle migration simulation
In order to understand the mechanisms of particle mi-
gration more clearly, we designed a two-dimensional (2D)
microscopic seepage channel model according to the real core
structure. Compared with the three-dimensional (3D) model,
2D model could more intuitively reflect the behavior of grain
migration in the porous media. In this study, the numerical
simulation of the pore-scale particle migration was carried out
using the finite element method (Juanes et al., 2002; Aarnes et
al., 2006). The essence of finite element method is to divide
a complex continuum into a finite number of grids, turn the
infinite degree of freedom problem into a finite problem, and
transform the solving of the (partial) differential equations into
the algebraic equations. The governing equations of the fluid
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are shown in Eqs. (3) and (4), and the governing equation of




+ρ(u ·5)u =5· [−p+K]+F (3)




where ρ is the density (kg/m3), u is the velocity (m/s), p is
the pressure (Pa), K is the viscous stress tensor (Pa), F is
the volume force (N/m3), mp is the particle mass (kg), v is
the particle velocity (m/s), Ft is the total force exerted on the
particle (N).
3. Results and discussion
3.1 Experimental analysis of formation damage
3.1.1 Analysis of core-scale experimental data
Under the condition that the confining pressure was always
higher than the inlet pressure by 2 MPa, the experiments of
two core samples were conducted with an inlet flow rate of
0.5 mL/min until the outlet flow rate was equal to the inlet
flow rate.
The experimental data of 1# core are shown in Table 4.
The pressure differences at the final stable state in the three
processes were 0.17, 0.41 and 0.30 MPa, respectively, among
which the pressure difference after the reverse injection of
reagent 1 was the largest. The permeabilities measured after
the three processes were 7.52, 4.89 and 4.40 mD respectively,
which showed a decrease trend. The damage rates of the
reverse injection and second formation water injection were
34.88% and 41.46% respectively. The increase of damage rate
indicates that the injection of chemical reagent 1 caused some
damages to the pore structure of the 1# core.
As shown in Fig. 3, the first formation water injection
increased rapidly to 0.04 MPa, then slowly rose to 0.17 MPa,
and then remained almost unchanged. The reserve injection
curve of the reagent 1 reached the peak value of 0.46 MPa
with a rapid upward trend, and then slowly decreased to 0.41
MPa, and then maintained a stable state. The inlet pressure
of the second formation water injection curve quickly reached
0.30 MPa, and maintained a relatively stable trend until the
end. Finally, the inlet pressure curve in the stable state was in
order from high to low: reverse injection of reagent 1 > second
formation water injection > first formation water injection.
Fig. 4 shows the change of inlet pressure of the 2# core.
The inlet pressure in the experiment of first formation water
injection increased quickly to 0.32 MPa, then slowly reached
the peak value of 0.49 MPa, and finally remained at about
0.47 MPa after a slight decline. The curve of reverse injection
increased rapidly and intersected the curve of second injection
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First formation water injection
Reverse injection of reagent 1
Second formation water injection
Fig 3 Inlet pressure curve of the 1# core
Fig. 3. Inlet pressure curve of the 1# core.
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First formation water injection
Reverse injection of reagent 2
Second formation water injection
Fig 4 Inlet pressure curve of the 2# core
Fig. 4. Inlet pressure curve of the 2# core.
Table 4. Experimental data of 1# core.
First formation water injection Reverse injection of reagent 1 Second formation water injection
Pressure difference (MPa) 0.17 0.41 0.30
Permeability (mD) 7.52 4.89 4.40
Damage rate (%) - 34.88 41.46
Table 5. Experimental data of 2# core.
First formation water injection Reverse injection of reagent 2 Second formation water injection
Pressure difference (MPa) 0.47 0.76 0.86
Permeability (mD) 2.62 2.00 1.43
Damage rate (%) - 23.90 45.31





Fig 5 Slices of 1# core (Slices (a), (b) and (c) are respectively first formation water
injection state, reagent 1 state and second formation water injection state. Slices (d),
(e) and (f) are the rendering images corresponding to slices (a), (b) and (c) : blue parts
represent pores, green parts represent skeleton and matrix)
Fig. 5. Slices of 1# core ((a), (b) and (c) are first formation water injection state, reagent 1 state and second formation water injection state, respectively.
(d), (e) and (f) are the rendering images corresponding to slices (a), (b) and (c): blue parts represent pores, green parts represent skeleton and matrix).
at 0.61 MPa at first, and then increased slowly to reach
the value of 0.76 MPa. The curve of the second formation
water injection reached to 0.86 MPa at the stable state. The
experimental data of 2# core are shown in Table 5. The
permeabilities measured after the three processes were 2.62,
2.00 and 1.43 mD, respectively. From the reverse injection
to the second formation water injection, the damage rate
increased from 23.90% to 45.31%.
3.1.2 Particle migration
(1) Particle migration of 1# core
Fig. 5 shows the grayscale slice images and rendered im-
ages corresponding to the three experiments. The pores in the
yellow squares of slice (a), (b) and (c) were compared, among
which the color of pores in (a) was the darkest and clearest,
the pores in (b) had a slightly lighter color, and (c) had the
faintest color. It indicates that during the three processes, the
pore spaces were gradually blocked. By comparing the black
box regions in (d), (e) and (f), we found that the proportion
of blue parts in (f) was the largest, and (e) had the smallest
proportion. This indicates that the (f) slice had the most pores
and the particles inside the rock moved continuously during
the experiment.
(2) Particle migration of 2# core
Three grayscale slices of 2# core were compared in Fig.
6. It could be seen from the yellow square that the proportion
of black pores in (a) was the largest; (b) had the smallest pore
proportion; the pores in (c) were generally fuzzy and lighter in
color. The change in the number of pores could be clearly seen
from the three rendered images (d), (e) and (f). The number
of blue parts was the most in (f) and the least in (e).
3.1.3 Microstructure of pores and throats
(1) Analysis of digital rock and pore network model
The changes of the inner space of the core are shown
in Figs. 7 and 8. Longitudinally, these images are under the
conditions of first formation water injection, reverse chemical
injection, and second formation water injection. By the com-
parison of the pore network model (c) (f) (i) in Figs. 7 and 8, it
is found that both the 1# core and the 2# core have a sensitive
region (the top of the 1# core and the left of the 2# core), which
is called “sensitive region”. Under the action of chemical
reagents, the seepage channels in these sensitive areas expand
firstly and then shrink. The reason is that in the process
of reverse chemical reagents injection, seepage channels first
appear at these sensitive regions due to the corrosion of
chemical reagents. However, the subsequent second formation
water injection destroyed some of the previously appeared
seepage channels.
(2) Analysis of pore throat parameters
(a) 1# core
To analyze the change of pore structure comprehensively
and quantitatively, based on pore network models, we obtained
the pore throat parameters of the core (Yang et al., 2015).
Fig. 9 shows the probability distributions of pore radius,
throat radius, coordination number and tortuosity after the
first formation water injection experiment, reverse injection
of reagent 1 experiment and second formation water injection





Fig 6 Slices of 2# core (Slices (a), (b) and (c) are respectively first formation water
injection state, reagent 2 state and second formation water injection state. Slices (d),
(e) and (f) are the rendering images corresponding to slices (a), (b) and (c): blue parts
represent pores, green parts represent skeleton and matrix)
Fig. 6. Slices of 2# core ((a), (b) and (c) are first formation water injection state, reagent 2 state and second formation water injection state, respectively.







Fig 7 Digital core and pore network
model of 1# sandstone







Fig 7 Digital core and pore network
model of 1# sandstone
Fig. 7. Digital core and pore network model of 1# sandstone ((a), (d) and (g) are digital cores during the first formation water injection, the reverse reagent
1 injection and the second formation water injection, respectively. (b), (e) and (h) are pore spaces during the three processes. (c), (f) and (i) are pore network








Fig 8 Digital core and pore network
model of 2# sandstone
Fig. 8. Digital core and pore network model of 2# sandstone ((a), (d) and (g) are digital cores during the first formation water injection, the reverse reagent
2 injection and the second formation water injection, respectively. (b), (e) and (h) are pore spaces during the three processes. (c), (f) and (i) are pore network
models during the three processes).
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(a) Probability distribution of pore radius (b) Probability distribution of throat radius
(c) Probability distribution of coordination number (d) Probability distribution of tortuosity




























































































Fig. 9. Probability distribution diagram of pore structure parameters of 1# core ((a), (b), (c) and (d) are pore radius, throat radius, coordination number and
tortuosity, respectively).
Table 6. Statistical table of pore structure parameters of 1# core.
Experimental process Mean pore radiu Rp (µm) Mean throat radius Rt (µm) Mean coordination numbe Z Mean tortuosity τ
First formation water injection 61.82 41.14 2.76 2.31
Reverse injection of reagent 1 60.09 40.04 2.65 2.52
Second formation water injection 33.94 27.33 2.47 3.21
experiment. As can be seen from Fig. 9(a), the pore radius
of the three experimental processes is distributed between 10
and 170 µm, and mainly between 20 and 80 µm. Comparing
the probability distribution of pore radius between the first
formation water injection and reverse injection process, they
have similar peak values and probabilities. However, in the
second formation water injection process, compared with the
first two processes, the probability of pore distribution peak
appearing in the range of 20-40 µm is significantly higher than
the other two processes. Fig. 9(b) shows the comparison of
probability distribution of throat radius of the three processes.
The throat radius of the three processes are distributed between
15 and 120 µm, mainly between 20 and 60 µm. When the
throat radius is between 20 and 60 µm, the probability distri-
butions of the first formation water injection and the reverse
injection process are similar, but the probability distribution of
the second formation water injection process is significantly
different from the other two processes. Coordination number
refers to the number of throats connected to the pore. Fig.
9(c) shows the coordination number distribution probability
of the three processes, and coordination number is mainly
distributed between 2 and 4. When the coordination number
is the same, the probability distribution difference of the three
processes is not more than 10%. Tortuosity is defined as the
ratio of the lengths of the preferential tortuous fluid pathways
and the porous media. Fig. 9(d) shows that the tortuosity of
the three processes is mainly distributed between 1 and 5, and
the probability distribution of the reverse injection process is
the largest.
Table 6 shows the average pore radius, average throat
radius, average coordination number and average tortuosity
of the three experimental processes of the 1# core. As can be
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(a) Probability distribution of pore radius (b) Probability distribution of throat radius
(c) Probability distribution of coordination number (d) Probability distribution of tortuosity






























































































Fig. 10. Probability distribution diagram of pore structure parameters of 2# core ((a), (b), (c) and (d) are pore radius, throat radius, coordination number and
tortuosity, respectively).
Table 7. Statistical table of pore structure parameters of 2# core.
Experimental process Mean pore radiu Rp (µm) Mean throat radius Rt (µm) Mean coordination numbe Z Mean tortuosity τ
First formation water injection 70.93 46.98 2.90 2.18
Reverse injection of reagent 2 69.99 48.03 2.78 2.23
Second formation water injection 68.38 45.85 2.64 2.28
seen from the table, the core pore parameters during the first
formation water injection process are the best, with an average
pore radius of 61.82 µm and an average throat radius of
41.14 µm. In the second formation water injection process, the
pore parameters were the worst, with average pore radius and
average throat radius being 33.94 and 27.33 µm, respectively.
From the top to the bottom, the average coordination number
decreases and the average tortuosity increases.
(b) 2# core
The probability distributions of pore radius, throat radius,
coordination number and tortuosity after the first formation
water injection experiment, reverse injection of reagent 2
experiment and second formation water injection experiment
were calculated, as shown in Fig. 10. As can be seen from
Fig. 10(a), the probability distribution of pore radius of the
three experimental processes is between 20 and 230 µm,
which is mainly distributed between 20 and 120 µm. Pore
size distribution and their corresponding probability of the
three processes are relatively close. Fig. 10(b) shows a com-
parison of the probability distribution of throat radius of the
three processes. The throat radius of the three processes are
distributed between 15 and 170 µm, mainly between 20 and
80 µm. When the throat radius is 30 and 60 µm, the throat
radius corresponding to the peak probability is similar, but the
order of probability distribution is: Second formation water
injection > First formation water injection > reverse injection
of reagent 2. In addition, as shown in Figs. 10(c) and (d),
the coordination number and tortuosity distribution of cores
in the three processes are relatively close, among which the
coordination number is mainly distributed between 2 and 4,
and the tortuosity is mainly distributed between 1 and 6.
The average pore radius, average throat radius, average
coordination number and average tortuosity of the 2# core
during the three experimental processes are shown in Table
7. By longitudinal observation of the four parameters of the
three experimental processes, it can be found that the average




Fig 11 Pore network modelFig. 11. Pore network model (Gray color is pore space and white part is
matrix).
Fig 12 Mesh generation modelFig. 12. Mesh generation model.
pore radius, the average throat radius and the average coordi-
nation number decrease and the average tortuosity increases
after the reagent 2 reverse injection. It can be concluded that
the injection of reagent 2 causes a certain degree of damage
to the 2# core.
3.2 Analysis of particle migration simulation
In order to understand the rules of particle migration more
clearly, we design a 2D microscopic seepage channel model
according to the real core structure (An et al., 2016; Yang et
al., 2020). As shown in Fig. 11, we build a 2D microscopic
seepage channel model with a length of 64 µm and a width of
32 µm. The left side is the inlet end and the right is the outlet.
There are 9,835 grid cells in the model. And the time to run
a single simulation is about 15 minutes. The grid subdivision
image is shown in Fig. 12.
3.2.1 Particle migration under different pressures
In this study, the migration of solid particles was simulated
under different inlet pressures (1,000, 3,000, 6,000 and 10,000
Pa). The boundary condition was set as no slip, the number
of solid particles was set as 20, and the contact condition of
solid particles and wall was set as rebound.
Fig. 13 shows the particles migration images under the
four different pressures. The top legend is the velocity of the
fluid, and the bottom legend is the velocity of the particle.
According to the four images, we notice that the position and
velocity of the particle migration are performed clearly under
the different pressure states. Table 8 shows the statistical data
of particle migration under different pressures. As can be seen
from the table, with the rise of pressure, the number of solid
particles passing through the outlet increases, and the export
rate increases accordingly. When the formation is blocked
due to the number of particle migration, appropriate measures
can be taken to increase the formation pressure within the
range of rock crushing pressure, so as to reduce the formation
blockage.
3.2.2 Particle migration under different degrees of
expansion
In this section, the inlet pressure was set as 3,000 Pa, the
boundary condition was set as no slip, the number of solid
particles was set as 20, and the contact condition of solid
particles with the wall was set as rebound. We changed the
degree of matrix deformation and observed the migration of
solid particles under different degrees of matrix deformation.
A is the expansion area. The half axis a remains un-
changed, while the half axis b changes as 5.6, 5.8, 6.0 and
6.2 µm, respectively; B and C are fixed areas with the same
Table 8. Statistical table of particle migration under different pressures.
Pressure (Pa) Total number of particles Export number Export rate (%)
1000 20 4 20
3000 20 8 40
6000 20 12 60
10000 20 14 70
Table 9. Statistical table of particle migration with different expansion degree.
Expansion axis b (µm) Total number of particles Export number Export rate (%)
5.6 20 12 60
5.8 20 8 40
6.0 20 6 30
6.2 20 5 25
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P=1000Pa P=3000Pa
P=6000Pa P=10000Pa
Fig 13 Particle migration under different pressuresFig. 13. Particle migration under different pressures.
Fig 14 Velocity field distribution under different expansion axis b
b=5.6µm b=5.8µm
b=6.0µm b=6.2µm
Fig. 14. Velocity field distribution under different expansion axis b.
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b=5.6µm b=5.8µm
b=6.0µm b=6.2µm
Fig 15 Pressure field distribution under different expansion axis bFig. 15. Pressure field distribution under different expansion axis b.
size (Fig. 11).
The particle migration data of the expansion half axis b
= 5.6 µm, b = 5.8 µm, b = 6.0 µm and b = 6.2 µm were
simulated respectively, as shown in Table 9.
As can be seen from the Table 9, with the increase of
the expansion half axis b, the export rate of particles passing
through the outlet gradually decreases. The reason is that with
the increase of the expansion half axis, the seepage diameter
around zone A decreases, which increases the difficulty of
particles migration in the seepage channel.
Through simulation, the velocity field distribution under
four different expansion axis b is obtained, as shown in Fig.
14. The top legend is the velocity of the fluid, and the bottom
legend is the velocity of the particle. By comparing the above
four images, we find that with the increase of expansion axis
b, the flow velocity of the fluid in seepage channel around
zones A and C shows a decline, and there is also a decrease
of flow velocity of solid particles in the fluid.
Fig. 15 shows the pressure distribution of the fluid under
different expansion axis b. By comparing the four images, it
is found that with the increase of the expansion axis b in area
A, the seepage channel around area A decreases, which makes
the color change of the left part of area B and C obviously:
dark green - light green - light blue - dark blue. According
to the legend, the pressure on the left of zone B and Zone C
decreases with the rise of the expansion half axis b.
4. Conclusions
(1) To study the damages of chemical reagents to the target
reservoir, we carried out the displacement experiments of
chemical reagents. According to the experimental data, we
found that the injection of chemical reagents increased the
inlet pressure and led to the decrease of core permeabili-
ties.
(2) To study microscopic formation damage of reservoir, CT
scans were performed on the cores in the three processes
of displacement experiment. Based on the CT slices, we
compared the pore structure changes of sandstone at dif-
ferent displacement processes, and found the phenomenon
of particle migration.
(3) In order to understand the mechanisms of particle migra-
tion more clearly, we designed a 2D microscopic seepage
channel model according to the real core structure. We
found that when the degree of matrix deformation, the
particle migration was more difficult. Thus, it was more
likely to cause the blockage of seepage channels.
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